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[bookmark: _Toc352168936]Introduction and Program Overview
This evaluation documents the ex ante load impact analysis and results for the proposed California Statewide Permanent Load Shifting (PLS) Program at Pacific Gas & Electric (PG&E), Southern California Edison (SCE) and San Diego Gas & Electric (SDG&E).  The program is currently in the final stages of development and approval by the CPUC.  The program—which does not fall neatly into either the category of demand response or energy efficiency—uses thermal storage technology to allow commercial, industrial, agricultural or residential buildings to shift cooling load from peak times to overnight.[footnoteRef:1]  If designed properly, PLS can promote system stability, reduce stress on transmission and distribution systems and/or reduce overall energy capacity costs by substituting low-cost overnight load for high-cost peak time load.   [1:  Direct access and Community Choice Aggregation customers are also eligible.] 

Prior to this statewide program, each of the three IOUs conducted PLS programs similar to the currently proposed program but with different incentive levels and technologies.  These programs arose out of CPUC Decision (D.) 06-11-049, Order Adopting Changes to 2007 Utility Demand Response Programs, which was part of the 2006-2008 Demand Response Application (A.) 05-06-006, et. al.  This Decision, among other things, ordered the IOUs to pursue Requests for Proposals and bilateral arrangements for PLS to promote system reliability during the summer peak demand periods. A four-year PLS program was approved for all the IOUs from 2008-2011.  We do not revisit the details of those programs here; we just note that each IOU has recent experience with PLS programs and technologies, although the proposed program design is new and stems from a different Decision.
 In November 2010, a Statewide PLS Study, authored by Energy + Environmental Economics (E3) and StrateGen, provided information to the Utilities for use in developing a proposed PLS program. On April 30, 2012, D.12-04-045 ordered the Utilities to work collaboratively to develop and propose a standardized, statewide PLS program. As part of the PLS program design process, the Utilities incorporated the findings from the Statewide PLS Study into the 2012-2014 PLS program design. On July 30, 2012, the Utilities submitted a joint PLS program design proposal to the Commission Staff. The Commission Staff sought feedback from interested parties by facilitating a PLS Workshop that was held on September 18, 2012. As a result of the PLS Workshop and comments received from interested parties, Energy Division (ED) provided the Utilities program design feedback on November 13, 2012. The Utilities incorporated ED’s feedback in their final version of the program design proposal submitted on January 14, 2013.
The program is in the final stages of development and approval by the CPUC.  Most recently, on Feb 12, 2013, CPUC issued a suspension notice notifying that the advice letter filed on January 14,2013[footnoteRef:2] with the updated PLS program design proposal and cost-effectiveness analyses has been suspended for up to 120 days beginning the date of the issuance of notice. It is possible that the Utilities could begin enrolling customers as early as Summer 2013, though this is dependent upon the timing of final Commission approval and Fall 2013 is more likely. [2:  On January 14, 2013, SCE filed with the Commission a joint advice letter (Advice 2837-E et al.) on behalf of the Utilities submitting updated Permanent Load Shifting (PLS) Program Design Proposal, program budget details and revised cost-effectiveness analysis (In compliance with D.12-04-045).] 

There are no current program participants to produce ex post impact estimates for 2012 or to use for estimating ex ante impacts.  Despite that, the ex ante load impact estimates in this document conform to the timing and requirements of the CPUC Load Impact Protocols for non-event based programs.[footnoteRef:3] [3:  CPUC D.08-04-050 issued on April 28, 2008 with Attachment A.] 

The current proposed PLS program design specifies a set of measured values to be collected from participants to enable load impact evaluation.  In future years, these measurements will be the basis for the ex post and ex ante impact evaluations; although how to collect the data beyond the timeline of the current program cycle is a question still to be resolved.  The basis for ex ante impact estimation for this evaluation is simpler, and relies primarily on estimates from program managers and evaluation, measurement and verification (EM&V) staff combined with knowledge of the proposed rules of the program.
[bookmark: _Toc352168937]Program Overview[footnoteRef:4] [4:  Much of the information in this program overview is taken from the 2012-2014 Statewide Permanent Load Shifting Program Proposal, issued jointly by the three utilities on January 14, 2013.] 

As it is currently proposed, the PLS program will provide a one-time incentive payment to customers who install qualifying PLS technology on chilled water cooling units (which differ substantially from typical central air conditioning units).  Incentives will be determined based on the designed peak load shift capability of the system and the installation must undergo a feasibility study by a qualified engineer.   The load shift is typically accomplished completely through substituting overnight chiller load for daytime chiller load.  All customers are eligible for the program, including residential, commercial, industrial, agricultural, direct access and Community Choice Aggregation.
Customers participating in the program must provide, in advance of installation, an engineering feasibility study. This study will include an estimated cooling profile.  Energy models will be used to determine a customer's cooling load profile over a year (8,760 hours).  To accomplish this, building simulation models will be used to determine hourly cooling needs over the course of a year, based on building specifications, regional temperatures, occupancy and other inputs.  Both retrofit and new construction customers will be subjected to the energy modeling process unless utility approved usage data is available. 
The incentive will be determined using a customer’s peak load shift on their maximum cooling demand day (based on the on-peak hours).. A conversion factor will be used to convert the cooling load shift tons to electricity load shift (kW).  This methodology will be adopted for both full and partial storage systems. The proposed incentive levels for the program are $875/kW for PG&E and SCE and $475/kW for SDG&E.  
The incentive payments are intended to offset the cost of installation and thereby make the system more attractive financially.  Under the proposed rules, the incentive cannot exceed 50% of the installation cost for a given customer, and the incentive for a given site cannot exceed 10% of a given utility’s incentive budget.  Customer’s incentive will be determined as the lesser of the incentive reservation amount calculated from the system design or 50% of the actual final installed project cost.  In addition, customers will be required to be on a time-of-use (TOU) rate for the first five years after installation.  The TOU structure dovetails well with the goals of the PLS program and customers are likely to save money by being on TOU if they have PLS equipment installed.  
Customers will be required to commit to running their system for five years after installation, and the utilities expect that the systems will have an expected life of about 20 years.
Although the program is not yet finalized, our understanding is that the current planned incentive budgets are $13.5M for PG&E, $12.7M for SCE and $2.2M for SDG&E.  These are worth mentioning because they provide, at the least, a cap on the amount of peak period shifting that the program will provide during this program cycle.
Customers are required to run the PLS system during all weekday peak periods during summer months, which are defined slightly differently for each utility.  Table 1-1 shows the peak periods and summer months for each utility.  Also, it may make sense for a customer to run their system year round, in which case they may do so.
Table 1-1 Peak Periods for Each Utility[footnoteRef:5] [5:  As listed in the PLS Program Proposal.] 

	Utility
	Summer Months
	Peak Hours

	PG&E
	May 1-October 31
	12-6 PM

	SCE
	June 1-September 30
	12-6 PM

	SDG&E
	May 1-October 31
	11 AM-6 PM



In addition to the rules discussed here, there are a set of technical requirements that each installation must fulfill, as well as a set of steps for EM&V.  Discussion of these is not necessary to understand the remainder of the evaluation and therefore, is  not included.  These issues may be important in future evaluations.


[bookmark: _Toc352168938]Assumptions and Methods
No customers are currently enrolled in PLS (as described in the earlier section) to use for modeling load impacts.  Each utility had a previous PLS program, but those programs differed in their details and in general, they do not provide useful information for forecasting load impacts for this program.  This is because the primary sources of uncertainty in the impact forecasts are not characteristics of customers who are likely to enroll or other attributes that could be observed in existing installations.  The primary sources of uncertainty are how many customers are likely to enroll in the new program, what size their installations will be and where they will be located.  
To produce forecasts of load impacts we have used assumptions that are as consistent as possible with the best estimates of the program managers and EM&V staff at each utility.  All these assumptions should be taken with a high degree of uncertainty for two reasons:
 .  The program design is not final; changes in incentive levels or other rules could have a large impact on program staff’s best estimates of future enrollment; and
Even if the rules were finalized, projecting take-up of any product is inherently uncertain.  That uncertainty is compounded here by the fairly high-investment and bespoke nature of each installation.  Without a detailed assessment of any given site, it’s hard to know whether it would be a good candidate for PLS.  There isn’t an easy-to-define potential market that can be identified precisely without a large amount of information.  Therefore our estimates of enrollment would not be highly precise even given the program rules as we assume them;
We have attempted to illustrate this by providing low-case, medium-case and high-case load impacts.  The medium-case is the expected value based on our discussions with utility staff.  The low case is half that value and the high case is 150% of that value.[footnoteRef:6]  Under the high scenario, customer enrollment would significantly exceed the current best guesses of program staff.  This could be due to rules changes prior to program inception or due to uncertainties in the expected market size.  Similarly, under the low scenario, enrollment would fall significantly short, with the same possible sources of the difference.  Even this range may not fully cover the outcomes that the program experiences.  In a case like this with such high uncertainty, we do not assert that others might not make different projections or consider different assumptions reasonable.  We have tried to be as transparent as possible about all of our assumptions and to show how they lead to our ultimate load impact forecasts to allow others to see how different assumptions might produce different values. [6:  Note that these “expected values” are not expected values in a statistical sense.  They are literally just what utility staff expressed as reasonable expectations.  The uncertainty expressed in the high and low values are also just opinions, not statistical measurements.] 

The main alternative to the method we have used would be to undertake a market research study to understand which customers would be likely to enroll in this program over the next two years.  This would be substantially more complicated and expensive than the method used here and it is not clear that it would produce substantially more precise estimates due to the uncertainty in customers’ abilities to project their own take-up of a currently hypothetical program.  For that reason, this type of study has not been done, and we rely on estimates from utility staff.
Our method begins with estimates of the enrollment for each utility from now until the end of 2014, including the number of sites, the designed peak shift and the geographic distribution of those sites.  We have broken this forecast into two categories: sites expected to be installed prior to June 2014 and sites expected to be installed after that.  For simplicity, we assume that sites installed after June 2014 will not be operational until the following summer.  This simplifying assumption allows us to avoid the false precision of attempting to project site installations precisely at the monthly level.  As it is, these projections should be understood to be highly approximate and the distinction between pre-June 2014 and post-June 2014 is mainly meant to illustrate that we expect some installations to take place during or after summer 2014, but prior to the end of the program cycle when the incentive budgets will no longer support new installations.
Table 2-1 shows these enrollment forecasts by local capacity area (LCA) for each utility (SDG&E contains only one LCA).  The table also shows the expected percentage of each utility’s incentive budget that will be spent by the end of 2014 under these assumptions.  The percentage is fairly similar for each utility and close to 1/3.  Again, these values are based on direct estimates by utility staff.  In some cases, staff provided estimates of total cooling tons, which were converted to kW at a rate of 0.7 kW/ton.  In other cases, staff directly estimated expected load reduction in kW.
Table 2-1:  Enrollment Forecasts by LCA for Each Utility
	Utility
	LCA
	Installed Pre June 2014
	Installed Post June 2014
	% of Incentive Budget Spent

	
	
	Sites
	kW
	Sites
	kW
	

	PG&E
	Greater Bay Area
	2
	350
	2
	350
	32

	
	Greater Fresno
	1
	650
	0
	
	

	
	Humboldt
	0
	
	1
	100
	

	
	Kern
	1
	650
	0
	
	

	
	Northern Coast
	1
	650
	1
	650
	

	
	Sierra
	1
	275
	0
	
	

	
	Stockton
	0
	
	1
	650
	

	
	Other
	0
	
	1
	650
	

	
	Total
	6
	2,575
	6
	2,400
	

	SCE
	LA Basin
	2
	1,150
	2
	1,150
	38

	
	Outside LA Basin
	1
	700
	1
	700
	

	
	Ventura
	2
	900
	2
	900
	

	
	Total
	5
	2,750
	5
	2,750
	

	SDG&E
	2
	800
	2
	800
	34


In order to produce ex ante impact estimates that conform to the CPUC protocols, we must develop estimates that are consistent with the values in Table 2-1 and that provide forecasts for each of several ex ante weather conditions for each LCA at each utility.[footnoteRef:7]  To do this, we must find a way to translate the demand shift values in the table to demand shift values that would occur under different weather conditions.   [7:  These conditions are provided by each utility and are meant to represent peak conditions in a given month and average conditions in a given month.  The conditions are classified as 1-in-2 or 1-in-10 which indicates whether conditions are likely to be that extreme about half the time or about 10% of the time.] 

As a first step, we must know what the weather conditions were that were associated with the demand shift values in the table.  The values in the table are forecasts of the amount of demand shifting that each utility expects to pay incentives for.  This means that these are expected output from the model used in the engineering feasibility study for each site.  Although we do not know with certainty what conditions the engineers performing the study will use to represent peak yearly conditions, based on discussions with PLS program managers and knowledgeable staff, we expect the engineers to use ASHRAE 2% weather conditions for the relevant geography of each site.  These conditions are available in the ASHRAE Handbook[footnoteRef:8] and they are the conditions we assume underlie the values in Table 2-1.   [8:  ASHRAE® Handbook Online: 2009 Fundamentals.] 

One detail to note is that the ASHRAE conditions are not specified as 24-hour temperature profiles in the way that ex ante weather conditions are.  Instead they are specified as a temperature threshold that would be expected to be exceeded in no more than 2% of hours in a given month.  They do not correspond to any particular hours of the day.  We therefore make the following assumption about how feasibility study engineers will calculate peak shift values for incentive payments:  they will choose the hottest month among the ASHRAE conditions for the relevant geography and then assume that the 2% conditions represent the average temperature during the period 1-6 PM of the peak day which is then used to simulate cooling load. 
The next step is to find peak shift values for ex ante weather conditions that are consistent with those in Table 2-1 for ASHRAE 2% weather conditions.  We begin with the assumption that the shifted load in Table 2-1 represents the full chiller load of all sites under ASHRAE 2% conditions.  An alternative possibility would be that the system is designed to shift only part of the chiller load under peak conditions.  This distinction is referred to as full versus partial storage.  If the partial storage alternative were true for some sites, then our ex ante impact estimates for cooler weather conditions might be understated because under our assumption, load shift automatically falls as temperature decreases.  Under partial storage, the load shift might be constant over some range of ex ante weather conditions at the hotter end of the conditions.  Because we begin with the designed peak shift as our main input, and because the designed peak shift takes place under conditions similar to the hottest ex ante conditions, our assumption is unlikely to have a significant effect on the accuracy of load impact estimates under the hottest weather conditions.  Additionally, to the degree that it is inaccurate for cooler conditions, it will tend to understate load impacts under those conditions.  With this assumption in place, we focus on determining chiller load in a building without worrying about the possibility that not all of it will be shifted.
To find cooling load values for ex ante weather conditions that are consistent with those in Table 2-1 for ASHRAE 2% weather conditions, we use Lawrence Berkeley Lab’s Demand Response Quick Assessment Tool (DRQAT) interface with EnergyPlus building simulation software.  This software allows us to predict total building cooling load for a chilled water system (including both chiller and fan) based on specified weather conditions, building size, number of stories, orientation (North, South, etc.), number of windows and location.  Although we know all the relevant weather conditions that we wish to estimate loads for, we do not know the building characteristics because it is not known which customers will enroll.  
However, we can demonstrate that not knowing building characteristics does not affect the accuracy of our load impact estimates by noting that we use the designed peak shift values as our main anchor for load impacts. We only use the simulation software to determine what the ratios are between the cooling load under ASHRAE 2% conditions and under the ex ante weather conditions for a given building.  At no point in our analysis do we directly use the simulation software to estimate the overall level of demand shifting at a given site.  Those values are assumed in our enrollment forecast.  The simulation software is only used to answer questions such as “if I have a site that provides 100 kW of shifting under ASHRAE 2% conditions, then how much does the same site provide under July 1-in-2 conditions?”
Ideally, we would understand exactly how the building simulation software did its calculations and use that to directly determine whether it is important to understand building characteristics, given that we are only using the tool to determine relative usage values under different conditions.  That is not currently a possibility.
Nonetheless, we provide evidence in Table 2-2 that relative usage values across different weather conditions are basically insensitive to building characteristics.  The table shows the ratio of average chiller load from 1-6 PM between the indicated temperature profile and August 1-in-10 peak conditions for a variety of building characteristics (which are provided in more detail in Table 2-3).  The point of the table is that the ratio for a given ex ante condition set hardly changes as the building characteristics vary substantially.  For example, the ratio of the average chiller load under September 1-in-10 conditions to the average chiller load under August 1-in-10 conditions only varies from 0.89 to 0.91 whether the building is half its original size or twice its original size, whether it has its original window to wall ratio or twice that ratio, or whether it has one story or four stories.  This suggests that relative usage levels in the tool are determined primarily by temperature conditions, with the building characteristics driving the overall level of usage.  There is only one major deviation from this pattern, under May 1-in-2 conditions, where the values vary from 0.82 to 0.70.  Given the uncertainty associated with the other inputs into our estimates, this small inconsistency seems minor.  
Table 2-2: Peak Period Ratios for A Variety of Building Characteristics Under Each Set of Ex Ante Peak Weather Conditions
	
	Baseline*
	1 in 2 Typical
	1 in 2 May
	1 in 2 June
	1 in 2 July
	1 in 2 August
	1 in 2 September
	1 in 10 Typical
	1 in 10 May
	1 in 10 June
	1 in 10 July
	1 in 10 August
	1 in 10 September

	Original Building
	0.46
	0.92
	0.80
	0.86
	0.98
	0.92
	0.93
	0.97
	0.90
	0.93
	1.02
	1.00
	0.90

	Twice the Size
	0.48
	0.92
	0.80
	0.87
	0.98
	0.91
	0.95
	0.98
	0.91
	0.95
	1.01
	1.00
	0.91

	Half the Size
	0.44
	0.92
	0.82
	0.87
	0.96
	0.92
	0.93
	0.96
	0.90
	0.93
	1.01
	1.00
	0.90

	Four Floors
	0.46
	0.92
	0.70
	0.83
	0.99
	0.91
	0.94
	0.96
	0.89
	0.93
	1.02
	1.00
	0.89

	Twice the Window to Wall Ratio
	0.45
	0.92
	0.80
	0.87
	0.98
	0.92
	0.93
	0.97
	0.90
	0.93
	1.02
	1.00
	0.90

	Peak Period Ratio = average kWh usage between 1pm and 6pm divided by average kWh usage during 1pm and 6pm on a typical August 1-in-10 day
*Baseline is the default temperature profile on July 1 for California Climate Zone 12 in the DRQAT.  It is not a monthly peak day. 



Table 2-3 Characteristics of Buildings in Table 2-2
	Building Type
	Footprint (sq. ft)
	Stories
	Orientation
	Window to Wall Ratio
	Climate Zone

	
	
	
	
	North
	East
	South
	West
	

	Original Building
	10,568
	1
	North
	0.16
	0.28
	0.20
	0.23
	12

	Twice the Size
	21,141
	1
	North
	0.16
	0.28
	0.20
	0.23
	12

	Half the Size
	5,329
	1
	North
	0.16
	0.28
	0.20
	0.23
	12

	Four Floors
	10,568
	4
	North
	0.16
	0.28
	0.20
	0.23
	12

	Twice the Window to Wall Ratio
	10,568
	1
	North
	0.32
	0.56
	0.40
	0.46
	12



Having established that we can use the DRQAT to determine relative usage levels without regard to the building characteristics, our process for producing ex ante values is as follows.
Taking the enrollment forecast from Table 2-1, we assign each forecasted site to a weather station within that LCA.  Some LCAs have sites at multiple weather stations and in those cases we have made assumptions about the percentage of load shift that will be associated with each station.  The table shows those assumptions as well.  For example, at SDG&E, half the assumed load shift is assigned to the Miramar station and the other half is assigned to the much cooler Lindbergh Field weather station.  Table 2-4 below shows the weather stations assigned within each LCA from Table 2-1.
Table 2-4:  Weather Station Assignments
	Utility
	LCA
	Weather Stations Assigned (percentage of assigned load shift in parentheses)

	PG&E
	Greater Bay Area
	Concord (40%), Cupertino (40%), Milpitas (10%), San Ramon (10%)

	
	Greater Fresno
	Fresno (100%)

	
	Humboldt
	Eureka (100%)

	
	Kern
	Bakersfield (100%)

	
	Northern Coast
	Sacramento (50%), Santa Rosa (50%)

	
	Sierra
	Auburn (100%)

	
	Stockton
	Stockton (100%)

	
	Other
	Salinas (100%)

	SCE
	LA Basin
	173 (100%)

	
	Outside LA Basin
	132 (100%)

	
	Ventura
	193 (100%)

	SDG&E
	Lindberg Field (50%), Miramar (50%)


We take the “Original Building” from Table 2-3 and use it as our representative building for determining relative usage levels under different conditions.  We estimate cooling load for that building under the following conditions for each weather station:
ASHRAE 2% weather conditions;[footnoteRef:9] and [9:  Because ASHRAE does not specify 24-hours of temperatures, we take the ASHRAE entry as the average temperature from 1-6 PM on the peak day.  The hourly temperatures are then calculated as the ratio of ASHRAE 2% temperature to August 1-in-10 average temperature from 1-6 PM times each hour’s August 1-in-10 temperature.  For example, if the ASHRAE 2% condition is a temperature of 100°F and the August 1-in-10 conditions have average temperature from 1-6 PM of 102°F, then the ASHRAE 2% conditions inputted into the DRQAT would have temperatures equal to the August 1-in-10 conditions multiplied by 100/102 for each hour.] 

Ex ante weather conditions for each month of the year for system peak day and average weekday for 1-in-2 years and 1-in-10 years.  
For both the ASHRAE 2% conditions and the ex ante conditions, we take the DRQAT’s baseline conditions as the conditions the day before the forecast.  Table 2-5 shows the average temperature during the peak period for the ASHRAE 2% weather conditions for each weather station.  In general, ASHRAE 2% conditions are fairly similar to August 1-in-10, but may be hotter or cooler.
Table 2-5:  ASHRAE 2% Weather Conditions for Each Weather Station
	Utility
	LCA
	Utility Designated Weather Station
	ASHRAE Weather Station
	August 2% Average 12-6 PM  Temperature (*F)
	August 1-in-10 Average 12-6 PM  Temperature (*F)

	PG&E
	Greater Bay Area
	Concord
	Livermore
	97
	101

	
	Greater Bay Area
	Milpitas
	Mountain View/Moffett
	83
	93

	
	Greater Bay Area
	Cupertino
	San Jose Intl
	90
	95

	
	Greater Bay Area
	San Ramon
	Livermore
	97
	99

	
	Greater Fresno
	Fresno
	Fresno Yosemite
	103
	110

	
	Humboldt
	Eureka
	Eureka
	67
	69

	
	Kern
	Bakersfield
	Bakersfield Meadows
	103
	108

	
	Northern Coast
	Sacramento
	Sacramento Met
	100
	104

	
	Northern Coast
	Santa Rosa
	Santa Rosa AWOS
	92
	92

	
	Other
	Salinas
	Salinas Muni
	76
	73

	
	Sierra
	Auburn
	Beale AFB
	100
	95

	
	Stockton
	Stockton
	Stockton Metro
	100
	103

	SCE
	LA Basin
	173
	El Toro MCAS
	91
	90

	
	Outside LA
	132
	Burbank-Glendale-Pasadena
	97
	102

	
	Ventura
	193
	Lancaster
	102
	99

	SDG&E
	Lindbergh Field
	San Diego Lindbergh Field
	82
	81

	
	Miramar
	San Diego Miramar NAS
	88
	87



The output from the DRQAT is estimated chiller load for each hour of the day under each of the conditions.  Since these estimates are for a representative building, they do not necessarily bear any relation to the projected peak shifting values from our enrollment forecast.  We then take the ratio of the DRQAT predicted loads under each set of ex ante conditions to the DRQAT predicted loads under the ASHRAE 2% conditions.  Table 2-6 shows these ratios for each set of ex ante conditions for each weather station.  The table shows that the ratios follow the expected pattern, with higher ratios in the summer and lower in the spring and fall.  Also, 1-in-10 conditions almost always have higher ratios than 1-in-2 conditions, as expected.  
Table 2-6:  Ratios between Peak Usage under Ex Ante Conditions and Peak Usage under ASHRAE 2% Conditions
	Utility
	LCA
	Weather Station
	April
	May
	June
	July
	August
	September
	October

	
	
	
	1-in-2
	1-in-10
	1-in-2
	1-in-10
	1-in-2
	1-in-10
	1-in-2
	1-in-10
	1-in-2
	1-in-10
	1-in-2
	1-in-10
	1-in-2
	1-in-10

	PG&E
	Greater Bay Area
	Concord
	0.57
	0.77
	0.72
	1.00
	1.03
	1.11
	1.12
	1.14
	1.09
	1.07
	0.72
	1.05
	0.72
	0.99

	
	
	Milpitas
	0.75
	0.91
	0.52
	1.23
	1.47
	1.67
	1.59
	1.60
	1.47
	1.50
	1.16
	1.56
	1.04
	1.09

	
	
	Cupertino
	0.59
	0.67
	0.35
	0.88
	0.91
	1.06
	0.94
	0.99
	0.88
	0.95
	0.67
	1.02
	0.75
	0.73

	
	
	San Ramon
	0.55
	0.73
	0.45
	0.93
	0.97
	1.09
	1.08
	1.07
	0.96
	1.04
	0.93
	1.08
	0.74
	0.94

	
	Greater Fresno
	Fresno
	0.57
	0.68
	0.87
	0.96
	0.88
	0.97
	1.04
	1.03
	0.94
	1.08
	0.95
	0.93
	0.73
	0.88

	
	Humboldt
	Eureka
	0.20
	0.37
	0.62
	0.70
	1.08
	1.16
	0.93
	0.87
	0.78
	1.18
	0.62
	1.42
	0.40
	1.65

	
	Kern
	Bakersfield
	0.58
	0.75
	0.86
	1.00
	0.91
	0.97
	1.01
	0.96
	0.91
	1.06
	0.86
	0.98
	0.77
	0.93

	
	Northern Coast
	Sacramento
	0.60
	0.69
	0.89
	1.03
	1.00
	1.06
	1.14
	1.16
	1.03
	1.07
	1.05
	1.01
	0.71
	1.00

	
	
	Santa Rosa
	0.60
	0.67
	0.42
	0.98
	1.07
	1.13
	1.10
	1.10
	1.06
	0.99
	0.75
	1.06
	0.86
	0.97

	
	Other
	Salinas
	0.62
	0.74
	0.34
	0.79
	1.25
	2.10
	1.12
	0.75
	1.21
	0.88
	0.89
	0.93
	1.02
	0.43

	
	Sierra
	Auburn
	0.42
	0.50
	0.76
	0.91
	0.84
	0.95
	1.03
	1.00
	0.92
	0.88
	1.00
	0.98
	0.65
	1.00

	
	Stockton
	Stockton
	0.56
	0.69
	0.84
	0.97
	0.97
	1.02
	1.08
	1.10
	1.01
	1.06
	0.98
	0.96
	0.68
	0.94

	SCE
	LA Basin
	173
	0.43
	1.02
	0.58
	0.63
	0.52
	0.69
	0.70
	0.86
	0.70
	0.99
	0.90
	0.77
	0.96
	0.91

	
	Outside LA Basin
	132
	0.79
	0.71
	0.88
	0.98
	0.99
	1.03
	1.01
	1.03
	1.04
	1.05
	1.04
	1.01
	0.75
	0.96

	
	Ventura
	193
	0.54
	0.42
	0.74
	0.94
	0.90
	1.01
	0.95
	0.98
	0.91
	0.97
	0.86
	0.92
	0.43
	0.69

	SDG&E
	Lindberg Field
	0.77
	1.03
	0.61
	1.00
	0.59
	0.57
	0.79
	0.90
	0.70
	0.95
	0.69
	1.11
	0.83
	1.18

	
	Miramar
	0.58
	0.90
	0.47
	0.98
	0.53
	0.57
	0.85
	0.89
	0.78
	0.92
	1.06
	1.06
	1.01
	0.95



The final step for estimating load impacts is to multiply that ratio by the peak shift values underlying Table 2-1 to produce estimates of peak load shifting under each set of ex ante weather conditions.
As an example of the full calculation, we take the Kern LCA within PG&E’s territory.  There is only one weather station associated with this LCA:  Bakersfield.  Prior to June 2014, we expect 650 kW of peak shift capacity to be installed in this LCA and near this weather station.  Under ASHRAE 2% weather conditions for this area, our representative building is predicted to require an average of 29 kW of chiller load over the period 1-6 PM.  Under May 1-in-2 peak day conditions, the same building is expected to require an average of 25 kW of chiller load over the period 12-6 PM.  Therefore, we expect that the May 1-in-2 peak day load shift from this site would be 650 kW x (25/29)=558 kW.  The same calculation is repeated for each set of conditions and for each weather station under each LCA.  
[bookmark: _Toc352168939]Ex Ante Impact Estimates
This section provides the ex ante impact estimates for peak day conditions during April-October.  Estimates for average weekdays can be found in the Excel load impact tables that accompany this evaluation.  The program will not be underway for summer 2013, so no load shifting is expected during 2013.  Also, load impacts during the months November-March are expected to be zero or nearly zero due to lack of significant cooling load in most areas and because customers will not be required to run their systems during those months.  Therefore estimates have not been developed for those months.  If in the future, installations occur in areas where there is significant winter cooling load and if customers appear to be shifting during those times, it may make sense to estimate impacts for those months.
Table 3-1 shows the ex ante impact forecast for each LCA of each utility for April-October of 2014.  April-October is the resource adequacy summer period.  Although technically customers do not have to run their systems during April, and SCE customers do not have to run their systems during May or October (according to proposed program rules as in Table 1-1), customers may choose to simply run their systems when cooling starts to be a regular necessity.  It is uncertain whether that pattern will develop, and it depends on how advantageous customers perceive it to be financially to run their systems and how easy it is to run their systems.  For that reason, April impacts, and May and October impacts for SCE should be taken to include more uncertainty than the others.  
Table 3-2 shows the ex ante forecast for 2015.  For simplicity, we have assumed that all installations occur during the period October-March, which means that the underlying number of sites within each table is constant.  In each table, the ex ante impacts during the months of July and August match fairly closely the enrollment forecast based estimates from Table 2-1.  This makes sense given that our methodology uses those estimates as a basis and that the ASHRAE 2% conditions are fairly similar to the summer ex ante conditions.
Note that in some cases surprising patterns may appear due to the discrete nature of the installations.  For example, in the Greater Bay Area in 2014, May 1-in-2 conditions produce higher impacts than April 1-in-2 conditions, while the reverse is true in 2015.  This is because in 2014 we only project two sites, which must be assigned to two of the four weather stations assigned to the Greater Bay Area.  We project that the first two sites will be near Concord and Milpitas, and that in 2015 sites will be added near San Ramon and Cupertino.  This means that the relative load impacts with respect to ex ante weather conditions change between the two years, but remain stable past 2014.
Our ex ante forecasts focus on load impacts during the peak period.  It is important to understand that these impacts represent load that is shifted, not eliminated.  This is evident in the excel tables that accompany this report.  In those tables, we assume that all avoided peak period load, plus an additional 5%, is consumed during the hours of 9 PM – 6 AM.  PLS systems are required to use no more than 5% additional energy than the baseline system.  Because not all cooling load comes during the peak period and we have only added 5% to the shifted peak period load, our assumption implies that the 5% limit will be binding for many, but not all sites. 
Table 3-1: Ex Ante Impact Estimates 12-6 PM on Monthly Peak Days for April-October 2014 (kW)
	Utility
	LCA
	April
	May
	June
	July
	August
	September
	October

	
	
	1-in-2
	1-in-10
	1-in-2
	1-in-10
	1-in-2
	1-in-10
	1-in-2
	1-in-10
	1-in-2
	1-in-10
	1-in-2
	1-in-10
	1-in-2
	1-in-10

	PG&E
	Greater Bay Area
	212
	279
	239
	365
	391
	426
	425
	432
	408
	404
	284
	403
	274
	354

	
	Greater Fresno
	372
	441
	567
	622
	571
	629
	677
	670
	611
	701
	615
	607
	472
	574

	
	Humboldt
	-
	-
	-
	-
	-
	-
	-
	-
	-
	-
	-
	-
	-
	-

	
	Kern
	378
	486
	558
	649
	589
	629
	658
	624
	590
	689
	558
	634
	503
	602

	
	Northern Coast
	393
	448
	580
	667
	650
	687
	739
	755
	671
	693
	683
	658
	459
	650

	
	Other
	-
	-
	-
	-
	-
	-
	-
	-
	-
	-
	-
	-
	-
	-

	
	Sierra
	115
	137
	210
	251
	232
	262
	283
	274
	254
	241
	276
	270
	178
	276

	[bookmark: _GoBack]
	Stockton
	-
	-
	-
	-
	-
	-
	-
	-
	-
	-
	-
	-
	-
	-

	
	Total
	1,470
	1,791
	2,154
	2,554
	2,433
	2,633
	2,782
	2,755
	2,534
	2,728
	2,416
	2,572
	1,886
	2,456

	SCE
	LA Basin
	493
	1173
	669
	725
	600
	793
	804
	985
	804
	1,136
	1,035
	880
	1,102
	1,041

	
	Outside LA Basin
	555
	496
	619
	689
	693
	724
	708
	723
	729
	737
	725
	704
	527
	674

	
	Ventura
	482
	376
	666
	848
	809
	910
	855
	880
	816
	874
	771
	831
	385
	620

	
	Total
	1,530
	2,045
	1,954
	2,262
	2,102
	2,427
	2,367
	2,588
	2,349
	2,747
	2,531
	2,415
	2,014
	2,335

	SDG&E [footnoteRef:10] [10:  SDG&E’s peak hours are from 11 AM – 6 PM instead of 12 – 6 PM.] 

	540
	771
	432
	789
	449
	458
	655
	718
	589
	746
	698
	871
	733
	853





Table 3-2: Ex Ante Impact Estimates 12-6 PM on Monthly Peak Days for April-October 2015 (kW)
	Utility
	LCA
	April
	May
	June
	July
	August
	September
	October

	
	
	1-in-2
	1-in-10
	1-in-2
	1-in-10
	1-in-2
	1-in-10
	1-in-2
	1-in-10
	1-in-2
	1-in-10
	1-in-2
	1-in-10
	1-in-2
	1-in-10

	PG&E
	Greater Bay Area
	415
	517
	367
	676
	712
	800
	763
	785
	721
	743
	537
	765
	535
	626

	
	Greater Fresno
	372
	441
	567
	622
	571
	629
	677
	670
	611
	701
	615
	607
	472
	574

	
	Humboldt
	20
	37
	62
	70
	108
	116
	93
	87
	78
	118
	62
	142
	40
	165

	
	Kern
	378
	486
	558
	649
	589
	629
	658
	624
	590
	689
	558
	634
	503
	602

	
	Northern Coast
	782
	886
	853
	1,303
	1,344
	1,421
	1,452
	1,470
	1,357
	1,338
	1,172
	1,348
	1,016
	1,279

	
	Other
	405
	482
	222
	511
	813
	1,365
	728
	489
	789
	569
	579
	604
	665
	282

	
	Sierra
	115
	137
	210
	251
	232
	262
	283
	274
	254
	241
	276
	270
	178
	276

	
	Stockton
	366
	449
	546
	629
	629
	662
	704
	714
	655
	686
	634
	624
	439
	612

	
	Total
	2,853
	3,435
	3,163 
	4,711 
	4,998 
	5,884 
	5,358 
	5,113 
	5,055 
	5,085 
	4,433 
	4,994 
	3,848 
	4,416 

	SCE
	LA Basin
	986
	2,345
	1,337
	1,450
	1,199
	1,585
	1,607
	1,970
	1,607
	2,272
	2,069
	1,760
	2,203
	2,082

	
	Outside LA Basin
	1,110
	992
	1,238
	1,378
	1,385
	1,448
	1,416
	1,447
	1,457
	1,473
	1,451
	1,409
	1,055
	1,347

	
	Ventura
	963
	751
	1,332
	1,695
	1,619
	1,821
	1,710
	1,760
	1,632
	1,748
	1,542
	1,662
	770
	1,240

	
	Total
	3,059
	4,088
	3,907
	4,523
	4,203
	4,854
	4,733
	5,177
	4,696
	5,493
	5,062
	4,831
	4,028
	4,669

	SDG&E [footnoteRef:11] [11:  SDG&E’s peak hours are from 11 AM – 6 PM instead of 12 – 6 PM.] 

	1,081
	1,541
	863
	1,577
	899
	915
	1,310
	1,435
	1,178
	1,492
	1,397
	1,741
	1,466
	1,705



Table 3-3 shows three scenarios, a low case, medium case and high case for August 1-in-10 conditions and Table 3-4 shows the same for August 1-in-2 conditions.  The medium case corresponds to the expected load shift values based on the calculation described in section 2.  The low case is equal to 50% of that and the high case is equal to 150% of that.  We consider these scenarios to be about the best that can be done for estimating the uncertainty associated with these estimates.  The estimation method was not statistical in nature and therefore there are no standard errors to report.  
Table 3-3: Ex Ante Impact Scenarios 12-6 PM on Monthly Peak Days for August 1-in-10 Peak Days for 2014 and 2015 (kW)
	Utility
	LCA
	2014
	2015-2019

	
	
	High
	Medium
	Low
	High
	Medium
	Low

	PG&E
	Greater Bay Area
	606
	404
	202
	1,115
	743
	372

	
	Greater Fresno
	1,052
	701
	351
	1,052
	701
	351

	
	Humboldt
	-
	-
	-
	177
	118
	59

	
	Kern
	1,034
	689
	345
	1,034
	689
	345

	
	Northern Coast
	1,040
	693
	347
	2,007
	1,338
	669

	
	Other
	-
	-
	-
	854
	569
	285

	
	Sierra
	362
	241
	121
	362
	241
	121

	
	Stockton
	-
	-
	-
	1,029
	686
	343

	
	Total
	4,092
	2,728
	1,364
	7,628 
	5,085 
	2,543 

	SCE
	LA Basin
	1,704
	1,136
	568
	3,408
	2,272
	1,136

	
	Outside LA Basin
	1,106
	737
	369
	2,210
	1,473
	737

	
	Ventura
	1,311
	874
	437
	2,622
	1,748
	874

	
	Total
	4,121
	2,747
	1,374
	8,240
	5,493
	2,747

	SDG&E
	1,119 
	746 
	373 
	2,238 
	1,492 
	746 



Table 3-4: Ex Ante Impact Scenarios 12-6 PM on Monthly Peak Days for August 1-in-2 Peak Days for 2014 and 2015 (kW)
	Utility
	LCA
	2014
	2015-2019

	
	
	High
	Medium
	Low
	High
	Medium
	Low

	PG&E
	Greater Bay Area
	612
	408
	204
	1,082
	721
	361

	
	Greater Fresno
	917
	611
	306
	917
	611
	306

	
	Humboldt
	-
	-
	-
	117
	78
	39

	
	Kern
	885
	590
	295
	885
	590
	295

	
	Northern Coast
	1,007
	671
	336
	2,036
	1,357
	679

	
	Other
	-
	-
	-
	1,184
	789
	395

	
	Sierra
	381
	254
	127
	381
	254
	127

	
	Stockton
	-
	-
	-
	983
	655
	328

	
	Total
	3,801
	2,534
	1,267
	7,583 
	5,055 
	2,528 

	SCE
	LA Basin
	1,206
	804
	402
	2,411
	1607
	804

	
	Outside LA Basin
	1,094
	729
	365
	2,186
	1457
	729

	
	Ventura
	1,224
	816
	408
	2,448
	1632
	816

	
	Total
	3,524
	2,349
	1,175
	7,044
	4,696
	2,348

	SDG&E
	884 
	589
	295 
	1,767 
	1,178 
	589 



Table 3-5 shows the expected trajectory of load impacts for August 1-in-10 conditions for the period 2013-2023.  Table 3-6 shows the same for August 1-in-2 conditions.  Each installation is expected to last a minimum of five years, after which we have assumed a degradation in load impacts of about 2.5% per year (which increases over time as constant absolute degradation becomes a greater part of the total), which corresponds to an expected life of about 20 years for each installation.[footnoteRef:12]  We have assumed the same degradation factor for each month within a given year so that the percentage difference measured May over May would be identical to the difference measured June over June and so forth.  The degradation factor is a major simplification of what will likely become a complex issue if the program continues over the next decade.  Similar to the issue of projecting PLS enrollment, this is a primarily an empirical question that is unlikely to be determined accurately in advance.  PLS systems are too complex and their continued function is based on too many variables for a theoretical analysis to have any serious hope of accuracy.  Therefore, we have chosen a simple set of values for degradation that dovetail with the assumptions that utility staff consider reasonable; and we recognize the significant uncertainty associated with these projections. [12:  The actual assumed trajectory is for a constant amount of absolute shifting capacity loss each year after the fifth year, such that the expected total life is 20 years and the maximum total life is 35 years.  If the program becomes a major part of the energy savings portfolio, then more nuanced assumptions for shift capacity degradation will be in order.] 

Table 3-5: Ex Ante Impact Estimates 12-6 PM on Monthly Peak Days for August 1-in-10 Peak Days for 2014-2023 (kW)
	Utility
	LCA
	2014
	2015-2019
	2020
	2021
	2022
	2023

	
	
	
	
	
	
	
	

	PG&E
	Greater Bay Area
	404
	743
	724
	706
	687
	669

	
	Greater Fresno
	701
	701
	683
	666
	648
	631

	
	Humboldt
	-
	118
	115
	112
	109
	106

	
	Kern
	689
	689
	672
	655
	637
	620

	
	Northern Coast
	693
	1,338
	1,305
	1,271
	1,238
	1,204

	
	Other
	-
	569
	555
	541
	526
	512

	
	Sierra
	241
	241
	235
	229
	223
	217

	
	Stockton
	-
	686
	669
	652
	635
	617

	
	Total
	2,728
	5,085 
	4,958 
	4,831 
	4,704 
	4,577 

	SCE
	LA Basin
	1,136
	2,272
	2,215
	2,158
	2,102
	2,045

	
	Outside LA Basin
	737
	1,473
	1,436
	1,399
	1,363
	1,326

	
	Ventura
	874
	1,748
	1,704
	1,661
	1,617
	1,573

	
	Total
	2,747
	5,493
	5,356
	5,218
	5,081
	4,944

	SDG&E
	746 
	1,492 
	1,455 
	1,417 
	1,380 
	1,343 


Table 3-6: Ex Ante Impact Estimates 12-6 PM on Monthly Peak Days for August 1-in-2 Peak Days for 2014-2023 (kW)
	Utility
	LCA
	2014
	2015-2019
	2020
	2021
	2022
	2023

	
	
	
	
	
	
	
	

	PG&E
	Greater Bay Area
	408
	721
	703
	685
	667
	649

	
	Greater Fresno
	611
	611
	596
	580
	565
	550

	
	Humboldt
	-
	78
	76
	74
	72
	70

	
	Kern
	590
	590
	575
	561
	546
	531

	
	Northern Coast
	671
	1,357
	1,323
	1,289
	1,255
	1,221

	
	Other
	-
	789
	769
	750
	730
	710

	
	Sierra
	254
	254
	248
	241
	235
	229

	
	Stockton
	-
	655
	639
	622
	606
	590

	
	Total
	2,534
	5,055
	4,929 
	4,802 
	4,676 
	4,550 

	SCE
	LA Basin
	804
	1607
	1,567
	1,527
	1,486
	1,446

	
	Outside LA Basin
	729
	1457
	1,421
	1,384
	1,348
	1,311

	
	Ventura
	816
	1632
	1,591
	1,550
	1,510
	1,469

	
	Total
	2,349
	4,696
	4,579
	4,461
	4,344
	4,226

	SDG&E
	589
	1,178
	1,149 
	1,119 
	1,090 
	1,060 


Our only major recommendation for the future of the program is to implement a clear and detailed set of EM&V rules to ensure that the utilities know how much load drop they have received and can expect to receive in the future.
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